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Abstract 
The Plains CO2 Reduction (PCOR) Partnership performed a case study on the feasibility of underground carbon dioxide (CO2) 
storage in the basal saline system of central North America. The calculated volumetric CO2 storage resource potential in this system 
is 373 Gt. Two dynamic modeling scenarios were designed to address the dynamic CO2 storage capacity and pressure transient. 
Various strategies were tested including injection well location and spacing, injection optimization, and water extraction during 
CO2 injection. This study underscores the potential difference in CO2 storage potential between estimates made with volumetric 
approaches and those made with dynamic methodologies.  
© 2013 The Authors. Published by Elsevier Ltd. 
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1. Introduction 
 A binational effort between the United States and Canada characterized the lowermost saline system in the 
Williston and Alberta Basins of the northern Great Plains–Prairie region of North America in the United States and 
Canada. This 3-year project conducted with the goal of determining the potential for geologic storage of carbon was 
led on the U.S. side by the Energy & Environmental Research Center (EERC) through the Plains CO2 Reduction 
(PCOR) Partnership and on the Canadian side by Alberta Innovates Technology Futures (AITF) [1–4]. The project 
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characterized the Cambro-Ordovician saline system (COSS) using well log and core data from three states and three 
provinces, determined its storage potential by creating a heterogeneous 3-D model, and determined the effects of CO2 
storage in this system using dynamic simulation. The area underlain by the COSS includes several large CO2 sources 
that each emits more than 0.9 Mt CO2/year. Assuming that each of these sources will target the COSS for the storage 
of their CO2, the primary questions addressed by this study are 1) what is the CO2 storage resource of the COSS, 2) 
how many years of current CO2 emissions will it be capable of storing, and 3) what will be required and what will be 
the effect of injecting 94 Mt/yr of CO2 into the COSS?  
2. Static model  
 The 3-D geocellular model takes into account the internal heterogeneity of complex facies relationships that exist 
vertically and laterally throughout the COSS. The goal of the modeling activities was to assess the volumetric CO2 
storage of the system based on its geometry, internal architecture, lithology, permeability and porosity, and 
temperature and pressure distributions. In addition, the geocellular model was also used for the dynamic simulation 
portion to determine dynamic storage and the effects of reservoir pressure buildup. 
 The complexity of the reservoir was characterized from numerous sources of data. Well data used in the 
development of the 3-D model included formation tops, well files, which included core measurements, and wireline 
logs in raster and, in many cases, Log ASCII (LAS) format. Other forms of data were included from Bachu and others 
[5] who went through a similar process to characterize the basal saline system in Canada. 
2.1. Stratigraphic correlation 
 The greater Williston Basin area has been explored for oil and gas resources for over 70 years and thus has had a 
large number of wells drilled into it. However, only wells that penetrated the contact of the Black Island and overlying 
Ice Box Formations or deeper were examined in this study for stratigraphic correlation. Of primary importance with 
respect to the wells was the availability of LAS files which provide for a wide range of analytical capability when 
incorporated into the modeling workflow. Ninety-four of the well control points had LAS files available and were 
obtained from our Canadian partners, the respective state agency, or the TGS-NOPEC Geophysical Company (TGS). 
Such files were used to provide quality control (QC) and correlate the basal saline system across this large area. 
 The basal saline system comprises several diachronous rock units of variable lithology: the Middle Cambrian Basal 
Sandstone in the Alberta Basin adjacent to the Late Cambrian Deadwood and Early Ordovician Black Island 
Formation in Saskatchewan, Manitoba, and the Dakotas. These strata are overlain by Upper Ordovician and Lower 
Silurian carbonates. The basal saline system is overlain by Cambrian shales in the Alberta Basin and by Ordovician 
shales or Middle Devonian tight shaley carbonates in the Williston Basin. The basal saline system reaches depths of 
more than 4850 meters near the Rocky Mountain Thrust and Fold belt in the Alberta Basin and nearly 4850 meters at 
the depocenter of the Williston Basin. The rock sequence crops out and is a source of fresh groundwater in south-
central to southeastern Manitoba [6] and in South Dakota and Montana. 
 The vast extent and thickness of the model contribute to the large effort to characterize the basal saline system 
because of changes in nomenclature and the sparse data available from the relative absence of oil and gas development 
compared to other stratigraphic oil-bearing zones in this region. The nomenclature for these alternating beds of fine 
siliciclastics and carbonates varies throughout the study area. In parts of Montana and Wyoming, they are referred to 
as the Gros Ventre and Gallatin Groups and are equivalent to parts of the Emerson Formation in the Little Rocky 
Mountains area of Montana and the Deadwood Formation in North and South Dakota. The Gros Ventre Group is 
made up of the Wolsey Shale, the Meagher Limestone, and the Park Shale. The Gallatin Group consists of the Pilgrim 
Limestone, the Snowy Range Formation (which consists of the Dry Creek Shale and the Sage Pebble Conglomerate), 
and the Grove Creek Limestone (which is sometimes included within the Snowy Range Formation) [7] (Fig. 1). 
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Fig. 1. Stratigraphic correlation chart comparing the U.S. portion of the study region with the adjacent Canadian portion (modified from Bachu 
and others [5]). The numbers on each stratigraphic column correlate to a region on the map. Nomenclature changes across the U.S.–Canadian 
border. Region 8a signifies a change in nomenclature, not lithology, in the Little Rocky Mountains area. 
2.2. Petrophysical analysis 
 A petrophysical analysis was conducted to determine the reservoir’s gross lithology and petrophysical 
characteristics. Determination of the basal saline system’s lithology and effective porosity was determined from a 
multimineral petrophysical analysis (MMPA). The results went through QC and were calibrated to core-shifted data. 
Key wells with core data and appropriate logging suites were identified throughout the basal aquifer region to have 
such an analysis conducted. 
2.3. Structural model 
 The structural model was built to capture the changes in thickness of the saline system and structural characteristics. 
Overall, the relief of the Precambrian basement and reactivation of various structures have affected thickness, porosity, 
and facies distribution of the basal saline system. Utilizing the tops picked from the stratigraphic analysis, structural 
surfaces of the basal saline system were built using a kriging approach using Schlumberger’s Petrel, a 3-D 
geostatistical modeling software. 
2.4. Facies model 
 A facies model was created to capture the heterogeneity of the basal saline system and delineate areas that are 
hydraulically connected. These Cambrian-aged strata are an extensive unit comprising coarse- to fine-grained 
2914   Guoxiang Liu et al. /  Energy Procedia  63 ( 2014 )  2911 – 2920 
quartzose and glauconitic sandstone that is locally conglomeratic at its base [7–10]. The depositional environments 
have been interpreted as marine foreshore to shoreface, tidal flat and, where conglomeratic, fluvial to alluvial [10]. 
This basal sandstone blankets the Precambrian basement throughout much of the northern Great Plains area and is a 
main component of potential CO2 storage in the basal saline system. 
 Fig. 2 shows a map view of the top layer of the facies model and the representative facies. The distribution of the 
facies is primarily sand (48%) with minor amounts of shale, silt, and carbonates in the geocellular model. The resulting 
facies model is important when the porosity and permeability and their relationship to facies are distributed. 
2.5. Reservoir properties 
 Reservoir properties distributed into the geologic model include porosity, permeability, water saturation, 
temperature, pressure, rock compressibility, and salinity. Petrophysical methods from the MMPA derived the total 
and effective porosities and fluid saturations. These properties were then distributed by different simulation techniques 
in Schlumberger’s Petrel after data analysis was performed to determine variogram range and orientation. 
Furthermore, to distribute the properties accurately, porosity and facies relationships and permeability and porosity 
relationships were distributed accordingly using univariate and bivariate statistics. 
2.6. CO2 storage potential 
 The methodology used in this study follows the approach described in DOE’s Atlas III [11], which builds on the 
IEAGHG work of Gorecki and others [12]. It is based on the volumetric approach for estimating the CO2 storage 
resource potential of saline formations. The volumetric equation to calculate the CO2 storage resource mass estimate 
for geologic storage in saline formations is:  
 
MCO2e = A × h × φ × ρCO2 × EE (1) 
 
 
Fig. 2. Top layer of the basal saline system displaying the facies property and its distribution. 
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 The total area (A), gross formation thickness (h), and total porosity (φ) terms account for the total bulk volume of 
pore space available. The value for CO2 density (ρ) converts the reservoir volume of CO2 to mass. The storage 
efficiency factor (E) reflects the fraction of the total pore volume that will be occupied by the injected CO2. For saline 
formations, the CO2 storage efficiency factor (EE) is a function of geologic parameters (Egeol), such as area, gross 
thickness, and total porosity that reflect the percentage of volume amenable to CO2 sequestration and displacement 
efficiency components (EvEd) that reflect different physical barriers inhibiting CO2 from contacting 100% of the pore 
volume of a given basin or region (Equations 2 and 3). Volumetric methods are applied when it is generally assumed 
that the formation is open and that formation fluids are displaced from the formation or managed via production. The 
COSS is assumed to be an open system for the purposes of this study. A comprehensive discussion of the derivation 
of the methodology and the efficiency factor is presented in Gorecki and others [8], U.S. Department of Energy Office 
of Fossil Energy [11], and Goodman and others [13]. 
 
EE = Egeol × EvEd (2) 
 
Egeol = 
஺೙
஺೟ ൈ
௛೙
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ఝ೅ (3) 
 
 This storage amount calculated excludes areas where the saline system is unconfined and where TDS (total 
dissolved solids) are <10,000 ppm. These areas are excluded because of regulations regarding the injection of CO2 
into potable water used for residential, agricultural, or industrial use. Other areas excluded are depths <800 meters, 
where CO2 is not considered to be in a dense phase (liquid or supercritical).  
 CO2 density was calculated based on the relationship of pressure, temperature, and density defined by the National 
Institute of Standards and Technology [14]. Temperatures and pressures were exported from the working Petrel project 
into a look-up function where CO2 density is calculated. CO2 density was then interpolated across the basal saline 
system using a kriging algorithm.  
 After CO2 density was calculated, Equation 1 was applied to determine the overall storage resource of CO2. The 
overall storage resource used saline storage efficiency values for a clastic depositional system from DOE’s Office of 
Fossil Energy Atlas III and IV [11, 15]. These values were used because the net-to-total area, net-to-total gross 
thickness, and effective-to-total porosity are known from the characterization activities above. This net volume 
includes a 10,000-ppm salinity cutoff and a 10% porosity cutoff, eliminating a majority of the strata with 
permeabilities greater than 5 mD. Utilizing the storage coefficients, a total of ~373 Gt of CO2 could theoretically be 
stored in the P50 case for the basal saline system (Fig. 3). Table 1 shows the P10, P50, and P90 efficiency factors and 
calculated CO2 storage capacity volumes. 
3. Dynamic simulation 
 To further evaluate this extensive saline system, and thus its viability as a potential sink, the geocellular model was 
used as the framework for an assessment of the dynamic storage capacity of the basal saline system with respect to 
the large-scale CO2 sources in the region. Static storage resource calculations do not consider the effect of dynamic 
factors such as injection rate, injection pattern, timing of injection, and pressure interference between injection 
locations. Numerical simulation is a method that can be used to validate the estimate of the effective storage resource 
potential of deep saline formations by addressing the effects of multiple large-scale CO2 injections. The main goal of 
this effort is to compare volumetric storage resource estimates with estimates with dynamic storage potential for the 
large-scale sources in the study region. 
 Through the dynamic simulation effort, two main objectives were established: 1) assess the dynamic storage 
capacity of the saline system assuming the 16 aggregated major large CO2 sources located above or in close vicinity 
to this saline system will choose it for CO2 storage during their respective lifetime and 2) assess the effect of pressure-
related changes induced by the injection of large volumes of CO2. To address these objectives, two dynamic injection 
scenarios were designed based on the base case static model. The two scenarios determine the injectivity of the saline 
system through the simulated injection of ~94 Mt/yr of CO2 from the 16 aggregated sources. 
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Fig. 3. Storage potential (tons) of the basal saline system using a P50 efficiency factor of 9.1%. 
   Table 1. Storage coefficients for saline formations and storage potential for the Basal Saline System. 
 P10 P50 P90 
Egeol,* % 65 65 65 
Ev × Ed, % 7.4 14 24 
EE, % 4.8 9.1 15.6 
CO2 Storage Capacity, Gt 198 373 640 
* Egeol = An/At × hn/ht × φn/φT because the area is known An/At = 1. 
 Each of the two dynamic injection scenarios has multiple cases, and each case varied parameters that affected the 
dynamic simulation in an effort to optimize overall CO2 injection. The first scenario positioned injection clusters at 
the locations of the 16 aggregated CO2 sources. The second scenario partitioned the sources into 25 feeds that were 
pipelined to regions with “better” reservoir characteristics (i.e., high permeability of connected volumes) to optimize 
injection. The varying cases build upon one another in regard to changes, including the vertical to horizontal 
permeability ratio (Kv/Kh), addition of water extraction wells, relative permeability, rock compressibility, and 
horizontal injection. All of the dynamic simulations were performed using Computer Modelling Group’s (CMG) 
software package (www.cmgl.ca/). 
3.1. Summary of Scenario 1 
 Simulation results of Scenario 1, a total of eight cases, provided storage potential centered on each CO2 source in 
the basal saline system region. The base case served as a baseline and allowed for the seven additional cases building 
upon one another to investigate the effect of various parameters on the overall CO2 storage capacity. Changes to the 
cases included adding more injector wells, adding water extraction, modifying the Kv/Kh, modifying the relative 
permeability curves, and implementing stepwise or ramped-up injection rates.  
 Simulation of Cases 1 to 5 had an injection period from 2014 to 2050 and a postinjection period from 2050 to 2100. 
Case 5 gives the most optimal results by injecting 928 Mt of CO2 which is 27.4% of the total emissions. However, 
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Cases 2–4 are relatively similar, showing that changes to the relative permeability and Kv/Kh ratio have a small effect 
on the overall injection. The two largest impacts among five cases are the additional injection wells, from 16 in the 
base case to 210, and adding water extraction wells to the Duffield–Warburg area. Using a stepwise injection approach 
helped inject slightly more of the CO2 (Case 6) than being injected all at once (Case 7).  
 The results of Scenario 1 indicate that per well injectivity of 90,700–136,000 metric tons/yr was achieved; however, 
a target of 453,600 metric tons/yr was needed to reach the targeted storage mass. At these injection rates, about 700–
1050 injection wells would have been required to meet the storage target. 
3.2. Summary of Scenario 2 
 The large difference between Scenarios 1 and 2 included the movement of the injection clusters to areas where 
high permeability values were connected in the geocellular model and distributed 16 injection clusters to  
25 injection locations. Rock compressibility, water extraction at each injection cluster, and conversion of vertical 
injectors to horizontal are also sensitive parameters in determining the amount of injected CO2. These variables for 
each case were changed to help optimize injection and determine the effect on the overall storage capacity.  
 The largest effects that helped increase CO2 injection in this scenario are the rock compressibility values, added 
water extraction at each site, and moving the injection locations to “better” locations. Each of these parameters was 
combined in Case 8, which injected 59.8% of the overall emissions from large CO2 sources of the study area. This 
case gave the most optimal injection scenario over a 50-year injection period than others. 
 Based on the results of Scenario 2, the selection of areas with better permeability and connected volume had a large 
impact on increasing the total amount of CO2 stored and the per well injection rates. However, even in the better area, 
the COSS was not able to support 211 injection wells with an average annual injection rate of  
0.45 Mt/yr. In Scenario 2, the average annual per well injection rate was between 168,000 to 249,500 metric tons/yr 
with horizontal wells. At these average injection rates, a total of 378 to 563 wells would have been required to meet 
the injection target. 
4. Discussion of the two scenarios 
 Reservoir heterogeneity plays a crucial role in overall CO2 injection. The basal saline system has ideal 
characteristics but relies on optimal operations which selected the “better” geologic injection location to sink the total 
emitted CO2. The two different scenarios did not reach the total output of the CO2 emissions because of the limited 
number of wells and injection clusters. Problems of injection occur for Scenario 1 because of the location of the initial 
injection clusters over areas of poor geologic conditions such as areas of low permeability and porosity and 
disconnected volumes. Scenario 2 increased injectivity after the injection clusters were moved to areas of “better” 
geologic properties and distributed nine more injection clusters based on Scenario 1 to reach 59.8% of the total CO2 
emissions. Fig. 4 shows the results and comparisons of each case for both scenarios.  
 The most optimal case in Scenario 1, Case 6, had the best CO2 injection by using a stepwise injection approach 
and water extraction in the Duffield–Warburg area. This optimal case injected 1280.59 Mt of CO2 over a 50-year 
period which is 28.4% of the annual emissions in the region. The results of Scenario 2 for each separate injection 
cluster had mixed results where some sources were able to inject most of the emissions and some very little. Regions 
that injected little amounts of the emitted CO2 are areas where the reservoir started to thin and had areas of lower Kh 
(mD*ft) even with high permeability in the connected volume. Results of Scenario 2 would be more optimistic with 
increasing better injection locations and the number of injectors and adding water extractors around the injectors for 
the total amount of emitted CO2. 
 Pressure differences were monitored in the simulation during the 50-year injection period and the 36-year 
postinjection period for Scenario 2. Monitoring the pressure differences help determine associated risks with long-
term storage in the basal saline system. Results on the pressure differences for each case in Scenario 2 show small 
changes over a 36-year time frame. These minimal pressure differences indicate small risks of leakage from the 
reservoir and integrity of the sealing cap rock due to CO2 injection in the basal saline aquifer system. 
 The basal saline system should be considered an overall target formation for CO2 sequestration with 373 Gt of 
calculated static storage capacity at a 9.1% efficiency factor. A static storage mass was calculated for areas only 
suitable for CO2 storage. Areas suitable for storage exist where a suitable cap rock occurs, and injection is in areas 
where TDS is greater than 10,000 ppm.  
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Fig. 4. Cases are compared between Scenarios 1 and 2. The best simulation results in this study occurred in Scenario 2, with the inclusion of 
“better” geology and optimal operations. 
 Reservoir quality and heterogeneity play a large role in the injection process. Moving the injection clusters to more 
optimal geology helped inject larger amounts of CO2 in the basal saline system. Moreover, increasing the number of 
injectors and adding water extractors around the injectors could be the primary option to increase the injectivity and, 
ultimately, the total amount of injected CO2 from emission sources rather than changing Kv/Kh ratio, using horizontal 
wells, and tracking residual water/gas.  
 Rock compressibility shows an important role for reservoir pressure transient regarding storage capacity for the 
cases without water extraction. This effect is reduced by adding water extraction because of the balance of the injection 
and production in the system. It means that selecting the injection location with high rock compressibility could be a 
better choice for more CO2 injection than these locations with low rock compressibility.  
 The reservoir pressure in all of the cases with water extraction is lower than the cases without water extraction. 
This means that water extraction could play a significant role in reservoir management and risk assessment. 
5. Static CO2 storage resource vs. dynamic CO2 storage capacity 
 The static CO2 storage resource potential was estimated to be approximately 198, 373, and 640 Gt at the P10, P50, 
and P90 confidence intervals, respectively. With this amount of storage potential, the COSS should be able to store 
between 2100 and 6780 years of the current 94 Mt/yr of point-source CO2 emissions from the overlying sources. 
Based on this calculation, it should seem relatively straightforward to store 94 Mt/yr for 36 or 50 years, resulting in a 
total storage of 3396 or 4717 Mt, respectively. However, when different cases were designed to simulate the injection 
and storage into the COSS, no cases were run where this total goal was met. In each case, injectivity was a limiting 
factor, and in all cases, many more wells would have been required to meet the storage target. The postsimulation 
analysis reveals that to inject and store 94 Mt/yr of CO2 for 50 years (4717 Mt) in the COSS, a total of 378 to 1050 
wells would have been required, instead of the 210 or 211 wells that were simulated. This would require dispersing 
the CO2 to a greater number of injection areas than the 25 that were simulated. 
 To increase the total stored mass of CO2, it may be more effective to use additional injection wells across a broader 
area rather than a blending of injection and water extraction wells in a more confined extent. For example, if the 163 
water extraction wells in Cases 3 and 4 of Scenario 2 were, instead, 163 injectors in another region of the COSS, an 
additional 1368 to 3136 Mt of storage could be obtained, resulting in nearly 66% of the target storage value. The 
increase in stored CO2 in the high-rock-compressibility case of Scenario 2 may have been much more pronounced, 
with 374 injectors potentially storing 95% of the target storage mass based on Case 2 per well injection rates. 
 In a comparison of the total static CO2 resource value for the 25 injection areas of Scenario 2 to the high and low 
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case injection totals in the dynamic simulations, only a relatively small fraction of the total capacity was used. 
However, it should be noted that this does not imply that the efficiency factors used in this investigation are inaccurate. 
The dynamic simulations in Scenario 2 were only run for 50 years, and for a majority of the cases, the slope of the 
injection rate was constant across that time period. The steady injection rate indicates that the COSS was still accepting 
CO2 and the true dynamic capacity had not yet been reached. 
6. Conclusions 
 A binational effort between the United States and Canada successfully characterized the COSS in the Williston 
and Alberta Basins of the northern Great Plains–Prairie region of North America in the United States and Canada. 
Through this characterization process, an extensive 3-D geocellular model of the system was constructed for the 
purpose of determining the static CO2 capacity and to serve as the foundation for dynamic simulation. The resulting 
static storage capacity of 198, 373, and 640 Mt at the P10, P50, and P90 percentiles reflects the application of storage 
efficiency values of 4.8%, 9.1%, and 15.6%, respectively, for clastic reservoirs. At the current emission rate of 
approximately 94 Mt/yr for the large-scale CO2 sources in the region, the static capacity represents thousands of years 
of storage. 
 Two scenarios were investigated to determine the feasibility of injecting a total of 94 Mt from the 25 large stationary 
sources overlying the COSS. The first injection scenario considered seven cases where the target was to inject this 
total mass of CO2 for 36 or 50 years in 16 injection areas using a total of 210 wells. The number of wells was based 
on an assumed per well injection rate of ~0.45 Mt/yr. Results from these cases show a total mass of CO2 injected 
ranging from 74 to 1281 Mt across the injection period of 36 and 50 years. These values represent between 2.2% and 
27.2% of the available CO2 emitted from the 16 source locations. The second scenario investigated eight new cases 
where the original 16 injection locations were disaggregated and moved (pipelined) to areas defined by the model as 
having good reservoir volume connection (geobodies) based on permeabilities greater than 50 mD. Injection amounts 
in the second scenario ranged from 1768 to 2823 Mt of CO2. These values represent 37.5% to 59.8% of the CO2 
emitted from the source locations. Based on the results of both scenarios, the selection of areas with better permeability 
and connected volume had a large impact on increasing the total amount of CO2 stored and the per well injection rates. 
However, even in the better area, the COSS was not able to support 21l injection wells with an average injection rate 
of 0.45 Mt/yr. In the second scenario, the average annual per well injection rate was between 168,000 and 249,500 
metric tons/yr. At these injection rates, a total of 378 to 563 wells would have been required to meet the injection 
target. Pressure differences monitored in the second scenario show small changes in the 50-year injection time period. 
These minimal pressure differences indicate low risks of leakage from the reservoir and impact to the integrity of the 
sealing cap rock as a result of CO2 injection in the COSS. Although this broad-scale study should not be used for site-
specific interpretation, the COSS should be considered as a large-scale viable target for CO2 storage across the central 
interior of North America.  
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